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1.0 Introduction

The Hugoton and Panoma gas fields (Figure 1), North America’s largest, produce
from 13 fourth-order marine-nonmarine sedimentary cycles of the Wolfcampian Chase
and Council Grove Groups, respectively. A fine-layered cellular geomodel was
constructed for these fields using a four step workflow: 1) define lithofacies in core and
correlate to wireline log curves and geologic variables (depositional environment and
relative cycle-position), 2) train a neural network and predict lithofacies at non-cored
wells, 3) populate a 3D cellular model with lithofacies using stochastic methods, and 4)
populate the model with petrophysical properties and fluid saturations using facies-
specific equations based on core data. The fine-scale model was upscaled to 25 layers for

simulation.

2.0 Objective

The objective of this study was to validate the above mentioned geomodel by
simulating the production/pressure performance of wells located in select multi-section
areas in the Hugoton field. The reservoir geomodel was developed using an automated
facies-recognition technique and specific capillary pressure curves developed by
integrating available core data. The intent of this exercise is, therefore, to evaluate the
robustness of this geomodel by comparing how close the simulator-calculated
pressure/production performances of individual wells match with respective histories
with minimum modifications to the geomodel. The focus is not to obtain exact matches
of pressure/production histories at individual wells with localized model modifications.

Computer Modeling Group’s (CMG’s) IMEX simulator was used in this study.

This report details the simulation studies carried out at one such area — 12 sections
around the Hoobler Estate Unit well (Section 20, Township 6N, Range 17E). The
location of the Hoobler simulation area within the context of the Hugoton-Panoma fields
is shown in Figure 1 while Figure 2 shows the locations of the wells within this study

arca.



Some of the reasons behind selection of this study area include: a) location
outside the Panoma field and on the edge of the “other” Council Grove production area,
b) presence of relatively thick Chase gas column, c) availability of Chase core from
within the study area and nearby Council Grove cores, and d) presence of limited layer
pressure data from 1995 and 2005. Figure 3 shows that 6 node wells with modern log
suite and three wells with zone pressure data are present within the Hoobler study area.
Figure 4 shows the position of wells in and around the study area where RFT layer-

pressures were available.

3.0 Model Inputs

3.1 Hoobler area geologic model

The Hoobler area is located in the east central portion of the Hugoton field on the
Oklahoma side of the Kansas-Oklahoma border. The model is situated immediately
shelfward of an area of steepened dip on the Wolfcamp ramp (or gently dipping shif, that
has been interpreted as a shelf margin . The Hoobler study area is
outside the Panoma field and the Coucnil Grove production on the east side of the study
area is from a closed structural feature that is downdip from and unrelated to the Panoma
gas filed accumulation. Here the Chase and Council Grove reservoirs behave as separate

gas reservoirs and the Council Grove was not simulated.

3.2 Static model

The nine-section Hoobler static model was extracted from the field-wide
geomodel version Geomod (Figure 5) and upscaled from 269 layers to 24 layers for the
simulation model (Figure 6). Figure 5 shows the area extracted from the larger model.
The xy grid dimensions are 660 feet by 660 feet (200 m by 200 m). Since the model is
outside the Panoma and layers within the model below layer 11 are 100% water
saturated, the model was reduced to the top 11 zones, the Chase through the Council

Grove Al_SH. In reality the Council Grove does not have 100% water saturation in the



closed structure on the east side of the model. Our current geomodel is focused only on
the Panoma that has a much higher (structurally) free water level (FWL). Figure 7 shows
the distribution of GIP for the eleven-layer model with a FWL at +65 feet above sea level
and Figure 8 illustrates the other critical properties. Corrected porosities at the node
wells were estimated using algorithms developed from core to log porosity regression

analysis (Figure 9).

3.3 Engineering Model

The 11-layer geomodel was exported to the reservoir simulator — Computer
Modeling Group’s IMEX. Each layer in this 11-layer model coincided with a formation-
or member-level stratigraphic interval in the Chase system. Each layer represents a half-
cycle of marine/non-marine sedimentary cycle. In most cases, the model layer closely
approximates the RFT intervals at wells in and around the study area. The area simulated
extends over 12 sections around the Hoobler Estate Unit well. Grid cell dimensions were

set at 660 ft by 660 ft for all layers.

Porosity was upscaled using an arithmetic average, conditioned on lithofacies;
water saturation was upscaled using a porosity weighted arithmetic average, and

permeability was upscaled utilizing flow-based tensor upscaling using PSK-solver.

Figure 10 lists the basic PVT properties input for simulation.

3.4 Permeability Modeling

Porosity-permeability measurements taken on whole cores on a foot-by-
foot basis were available from the Chase interval at Hoobler EU well. Permeability
recordings from Krider, Winfield, and Towanda zones at the above mentioned wells are
shown in Figure 11. Permeability was not measured on core-plugs from the available

corc.



Fundamental to modeling the permeability distribution in the Hugoton is the need
to understand the relative role of matrix and fracture flow and the possible scale
dependence of permeability. Figure 12 displays measured permeability-porosity data
from fractured whole cores, unfractured whole cores, and unfractured core plugs from
other available cores from the Hugoton study. Whole-core (full-diameter) values diverge
from matrix (plug) values at porosities less than ~10%. This can be interpreted to indicate
the dominant influence of microfracture(s) on permeability in whole-core samples with
porosity < 10% and corresponding permeability < ~0.5 md. Above 10 % porosity

influence of microfracure(s) is small, and the whole core and core plug values overlap.

A question that naturally arises from these data is: are the microfractures present
in the subsurface or are they a stress release or coring-induced phenomenon?  This
question can only be answered by comparing upscaled matrix permeabilities with
unfractured full-diameter permeabilities and with drill stem test (DST) or well-test
calculated permeabilities. Figure 13 crossplots full-diameter core porosity versus plug
porosity (A) and plug permeability versus full-diameter permeability (B) for samples in
which the full-diameter cores did not exhibit any apparent microfracturing. Good
correlation in both the above plots indicates that matrix-scale properties apply to full-
diameter scale. Variance can be attributed to full-diameter core sampling multiple

lithofaceis or a range in porosity not sampled by the corresponding core plug.

The ability to compare well-scale permeability with matrix permeability is limited
because so few wells have DST or well test data recorded prior to hydraulic fracturing
and over specific intervals for which core data are available. In four key research wells,
permeability was measured with DSTs across specific intervals where core analysis was
also performed. To compare with core permeabilities, full-diameter and plug
permeabilities were arithmetically averaged (representing parallel flow contribution from
each depth interval) to determine average interval permeabilities. Correlation between
DST permeability and upscaled full-diameter and plug permeabilities shows good
correlation (Figure 14) for intervals with permeability greater than ~0.5 md (0.0005 p.mz).

For interval permeabilities below 0.5 (0.0005 p.mz) md, full-diameter permeabilities



exhibit nearly constant permeability between 0.5 and 3 md (0.0005-0.000033 pm?),
characteristic of microfracture-influenced permeability. Matrix-scale plug permeabilities

are both higher and lower than DY . permeabilities (Figure 14).

As mentioned earlier, whole-core permeabilities were measured on a foot-by-foot
basis from the Chase core retrieved from the Hoobler EU well. The whole-core derived
(horizontal) permeability values were arithmetically averaged (upscaled) to derive the
layer horizontal permeability. Absent layer-DST permeability values, the upscaled layer
permeability derived from whole cores was assumed to be representative of effective

permeabilities in each layer within the drainage area of the Hoobler EU well.

The geomodel built in Petrel® consisted of 269 layers. Facies-specific
permeability-porosity co-relationships were used to estimate of grid permeabilities from
grid porosities. The tensor upscaling algorithm in Petrel® was used to upscale vertical
and horizontal permeability to 11 layers before exporting the model to CMG. For each
layer at the place of location of the Hoobler EU well, the upscaled permeability (from
Petrel®) was compared with that calculated by upscaling the whole-core-based
permeability values (Figure 15). For layers where the upscaled permeability differed from
whole-core permeability, an appropriate multiplier was applied so that the layer
permeability matched that calculated by upscaling whole-core measurements. For each
layer, Figure 15 tabulates the multiplier applied so that the grid cell permeability at the
location of the Hoobler EU well in the CMG model matched the corresponding upscaled
whole-core layer-permeability. As discussed in the previous section, whole-core K values
are higher than plug K below 0.5 md because micro-fractures present in whole cores
result in measured K values to exceed 0.5 md. Also, plugs are biased to represent matrix
rock and possible are minimally affected by micro-fractures especially in tight rocks.
Thus, multipliers close to 1.0 were found applicable for pay layers where average whole-

core K values are higher than 0.5 md.



3.5 Natural Fractures

Variance between DST- and core-plug-permeabilities are partially or
predominantly related to the limited vertical sampling of the core plugs and difficulty in
representing some pore properties that are larger in scale than core plugs. The single
phylloid algal bafflestone interval exhibits significantly lower matrix permeability
because core plugs did not sample the larger-scale vuggy nature of this lithofacies, which
exhibits high permeability. Since microfractures do not contribute significantly to
measured permeability for rocks with permeability greater than 0.5 md (0.0005 pum?),
both full-diameter and plug data reflect matrix properties and the good correlation with
DST permeabilities. This indicates that the reservoir is not fractured at the scale of
investigation of the DST test. The better correlation of plug and DST permeabilities for
intervals with permeability below 0.5 md, and the fact that upscaled permeabilities from
plug data are greater than or equal to DST permeabilities, for three of the four intervals,
can be interpreted to indicate that these intervals are also unfractured. These data, and
less precise data from other wells, indicate that the production characteristics of many
wells in the Hugoton are consistent with matrix properties without significant natural

fracture contribution.

3.6 Reservoir Pressure

The first recorded surface shut-in (SI) pressures (soon after completion) at the
Chase Parent wells in the area studied varied between 390 to 423 psi (Figure 16). Surface
shut-in pressures were converted to bottom-hole shut-in pressures. Figure 17 shows the
estimation of initial reservoir pressure from recorded surface shut-in pressures following
the average temperature and z-factor method. The estimated initial reservoir pressure was
about 450 psi assuming a WHSP of 420 psi. Thus, the reservoir model in the simulator
was initialized using a starting pressure of 450 psi, and resulted in charging the input
geomodel (for the area studied) with an original-gas-in-place (OGIP) of 131.1 bef (as
compared to 128 bef in the Petrel geomodel, Figure 18).



3.7 Hydraulic Fractures

Most of the wells in the study area were drilled before 1950. Current records
indicate that all wells were hydraulically fractured some time during their production life.
However, the exact date on which each well was fractured is not available. Fracturing
technology came in use in the study area some time in the early 1970s. In this study, it
was assumed that wells were fractured as of January 1, 1970. Later infill/replacement

wells drilled in the 1980s or later were assumed to be fractured upon completion.

However, there is no information or test data available which would enable one to
estimate the physical characterization of these fractures. The intent of the fracturing was
to enhance the well productivity. Lacking physical descriptions of hydraulic fractures, the
enhanced well productivities were modeled in this study using the well productivity (ff)
factor greater than 1 with the ff set to 1.0 for an un-fractured well. The ff value was

modified at each well to match the post-1970 production.

3.8 Flow Constraints

Annual production data for individual wells were available for initial completion
to 1966. From 1967 onwards, monthly production data were available for all the Chase
wells in the study area. Regular tubing head flow and shut-in pressure data were available

for all wells from 1967 onwards.

In the simulator, all wells were flowed under rate constraints until April 2005.
Thereafter, all wells were flowed under a constant bottom-hole pressure (BHP) of 14.7
psi till May 2006. The intent of changing from rate constraint to pressure constraints was
to see if the simulator-calculated production rates from May 2005 to May 2006 followed
the already established decline trends without showing production spikes (or signs of
excess flow capacity). The well names and their abbreviated names used in the simulator
model along with their starting dates, cumulative production, and initial perforation

intervals are listed in Figure 19.



4.0 Reservoir Simulation Studies

The completion records (Figure 20) indicate that the Chase wells were initially
perforated in the upper four layers, i.e., Herrington, Krider, Odell, and Winfield. Well
operators confirm that each of these wells was hydraulically fractured during some point
in its production life. However, the exact date when each well was fractured is
unavailable. In the model, it was assumed that each well was fractured as of January 1,
1970 — the approximate time frame when fracturing came in vogue in the study area.
Figure 4 reveals that the Chase wells in the study area produced around 70.13 bcf while
the OGIP charged in the first 4 layers totals 58 bcf. Thus to obtain a match with
production history, gas from lower layers such as the Towanda and the Fort Riley has to
be produced. If the completion is assumed to be restrained to .4 (Winfield), then the gas
from the lower layers has to flow across the intervening shale zones taking advantage of

vertical permeabilities.

The model used in this study was an 11-layer model with grid cell sizes of 660
feet by 660 feet. A consistent set of legends was used to analyze the simulation results.
The simulator-calculated production and bottom-hole flowing pressure are displayed in
red | ceen lines while the historic production and well head flowing pressures

- Fea . o) are displayed in blue and magenta.

Because the wells were not fractured pre-1970, flow in this period was dominated
by matrix. Also during this period, the well completions did not extend beyond the
perforated layers. Thus, the strategy employed in the designing the following set of
simulation runs was to first try to match pre-1970 field production by adjusting matrix
permeability through the application of different multipliers. After obtaining a match with
the historic production volumes prior to January 1 1970, other factors such as layers
drained by the fractures and productivity gains from hydraulic fracturing were modified
on a well-by-well basis to improve both the production and flowing pressure matches at

each well.



4.1 RUN 1

All wells were initially completed as per available information from well records
(Figure 20). Wells without any initial completion records were assumed to be completed
in the upper four layers. As of January 1, 1970, all wells were fractured in the simulator
using an ff = 6.0. However, the fractures were constrained to the initial completion
interval at each well. Also, (horizontal) permeability multipliers (Figure 15) were applied
to layers 1, 2, and 4 only, i.e. L1, L2, and 4. As a result of the application of these
multipliers, the layer permeability in each of the above mentioned layers around the
Hoobler EU well in the simulator model corresponds closely to the whole-core based
upscaled permeability. Permeability multipliers were not applied to the shale layers such
as L3 (Odell). Results from this run are shown in Figures 21. The simulator-calculated

production falls short by about 8 bef before 1970 and by about 20 bef in 2005.

Figures 22 and 23 display the production and pressure matches obtained at
individual wells. The simulator-calculated production (red line) falls short of history
(blue line) for many wells even before 1970. Thus, matrix K appears insufficient to match
pre-1970 production at most wells. However, simulator-calculated production matched
history at Wilson (named Wils in simulation results) and Blackmer 28 (named BI1k28 in
simulation results). Figure 24 shows that there is a bull’s eye in the horizontal
permeability distribution in Winfield (Layer 4) around BIk28 as it is significantly higher
than in other parts of the study area. It appears that the automated facies-prediction model
must have incorrectly assigned facies in this area and, therefore, resulted in non-
representative permeability estimations. Also, the simulator-calculated bottom-hole
flowing pressure (BHFP, in green line) is consistently higher than the historically
recorded WHFP (in magenta) indicating excess gas and/or flow capacity in the drainage
area of Blk28. As for Wilson (named Wils in simulation results) the simulator-calculated
BHFP is close to the historic WHFP. However, the simulator-calculated production falls

short of the historic production near the year 2000.



RFT records from wells in and around the study area were available. Despite
variations between readings from within a layer, reservoir pressures in Krider (L2) and
Winfield (L4), as of 2005, were estimated to be between 40 to 60 psi respectively. Figure
25 lists the best est  ites of layer pressures in the study area as of 2005. Figure 26 shows
the pressure distribution through an east-west cross section across the Hoobler EU well as
of May 2006. These simulator-calculated results indicate that the pressure in Krider (L.2)
varies between 50 to 130 psi while that in Winfield (I.4) varies between 90 to 300 psi.

4.2 RUN 2

The horizontal permeability (Kxy) distribution in L2 (Krider) was multiplied by 2
(over the starting multiplier) in order to increase simulator-calculated gas production in
the pre-1970 period. Figure 27 compares the simulator-calculated field production with
historic volumes, and it becomes evident that as of 1970, the simulator-calculated
cumulative production falls short by 5 bef as opposed to 8 bef in Run 1. Thus, additional
gas needs to be mobilized in the pre-1970 period in the simulator model. A display of
pressure distribution (Figure 28) in an east-west cross-section through the Hoobler EU
(HobEU) wells shows that the pressure in Krider (1.2) layer is less than 85 psi while that
at HobEU is 39 psi. Thus, 1.2 appears to have drained close to best estimates from RFT

data, i.e., layer pressure varying between 40-60 psi.

4.3 RUN 3

The horizontal permeability (Kxy) distribution in L4 (Krider) was multiplied by 2
(over the starting multiplier) in order to increase simulator-calculated gas production in
the pre-1970 period. Thus, both L2 and L4 have a multiplier of 2 applied on the
permeability distribution present in Run 1. Figure 29 compares the simulator-calculated
field production with historic volumes, and it becomes evident that as of 1970, the
simulator-calculated cumulative production falls short by 2 bef as opposed to 5 bef in
Run 2. Hence, additional gas still needs to be mobilized in the pre-1970 period in the

simulator model. A display of pressure distribution (Figure 30) in an east-west cross-
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section through the Hoobler EU (HobEU) wells shows that the pressure in Winfield (L4)
layer is less than 260 psi while that at HobEU is 72 psi. Thus, L4 in the vicinity of the
HobEU appears to have drained close to best estimates from RFT data, i.e., layer pressure

varying between 40-60 psi.

44RUN 4

To increase production from the simulator model, the Kxy distribution in L2 and
L4 was multiplied by 3 over the initial multiplier, i.e., the permeability distribution in
these layers in Run 1. Figure 31 compares the simulator-calculated field production with
historic volumes. As of 1970, the simulator-calculated cumulative production still falls
short of historic volumes by 0.92 bcf. Figure 32 shows the gas in place in Herrington
(L1). As of 1970, there is about 3.25 bef of gas in L1. Figure 33 shows the layer pressure
distribution across a cross section through HobEU well. The pressure at HobEU is 70 psi
while higher pressures prevail in L1 away from the well. As a comparison, the pressure at
HobEU in L2 (Krider) is 33 psi while pressures away from the well in L2 never exceed
85 psi. Similarly, the pressure at HobEU in L4 (Winfield) is 62 psi while pressures away

from the well in L4 never exceed 230 psi.

5RUN 5

Figu 11 and Figure 34 tabulate the whole-core measured permeability distributions at
HobEU well for Krider (L2), Winfield (L4), Towanda (L6), and Herrington (L1)
respectively. The whole-core-based permeability values were upscaled in each of these
layers and compared with that estimated from facies-specific permeability-porosity
equations. Differences were reconciled using appropriate multipliers (Figure 15). These
multipliers were used in the initial simulation run (Run 1) for L1, L2, and L4. A closer
look at the whole-core data from these 3 layers reveals that there are streaks of high
permeability in each of these layers. These high permeability zones are the ¢ vers for gas
production and yet get smoothed in the process of permeability upscaling (of the whole-

core data). Permeability calculated from reservoir-pressure testing is considered most

11



representative to simulate well performance as it is the effective permeability prevalent in
the drainage area of the well(s). Thus absent permeability calculated from well tests,
layer permeability multipliers were calculated using the upscaled whole-core based
permeability data, which under-represents the high permeabil - streaks. For example in

ider (Figure 11), the upscaled whole-core based permeability data is 2.24 md while the
whole-core data reveal high streaks ranging between 3 to 6 md. It is impossible to
estimate the effective permeability prevalent L2 (Krid  in the drainage area of HobEU
well without a well test but critical examination of whole-core data indicates that
application of permeability multipliers between 2 to 4 times the upscaled whole-core data
is not unreasonable, especially when lower permeability distributions are unable to
produce historically recorded gas volumes. Similar high permeability streaks are visible

in the whole-core data in Herrington and Winfield.

Figure 35 shows the simulator-calculated production when the permeability
distribution in L1, L2, and L4 were multiplied by 3 (over the initial distribution in Run
1). It appears that the simulator-calculated pre-1970 production is very close to historic

volumes but still less by 0.92 bef (as of 1970).

46 RUN 6

Figure 36 compares the simulator-calculated production with field history when
the permeability distribution in L1, 1.2, and L4 were multiplied by 3 and that of L6 by 2
over the initial respective values in Run 1. The simulator-calculated production almost
matches historic volumes as of 1970. Thus, even increasing permeability in L6

(Towanda) did not enable production history matching as of 1970.
4.7 RUN 7
Figure 37 compares the simulator-calculated production with field history when

the permeability distribution in L1, L2, and L4 were multiplied by 4 over e initial

respective values in Run 1. It is evident from Figure 4.7 that the simulator-calculated

12



production almost matched historic production volumes as of 1970. Thus given the
geomodel (with its distribution of gas saturation), the matrix permeability distribution in
L1, L2, and L4 had to be increased 4 times over that obtained by upscaling whole-cc

permeabilities at HObEU well in order to match historic pre-1970 production. Figu 38
and 39 display in the production/pressure matches obtained at individual wells. It appears
that the simulator-calculated production matched pre-1970 historic production in all wells
except Mu :r (Mull) - a well located close to the southern border of the study area. The
simulator-calculated BHFP was higher than the recorded WHFP in wells such as the
Blk25, Blk25U, Blk28, EberF, and EberU suggesting presence of excess gas and/or flow
capacity. However in remaining wells, the BHFP was less than the WHEFP, often
hovering at 14.7 psi, suggesting that these wells are running out of gas in the post-1970
period under the current completion framework, i.e., fractures constrained to L4 in the

post-1970.

Figure 40 displays the pressure distribution as of May 2006 along an east-west
cross section across the HobEU well. The maximum pressure in L2 is 80 psi while at the
well grid is at 30 psi. The maximum pressure in L4 is 200 psi (away from the well) while
the well grid is at 57 psi. Figure 41 plots the gas in place over time in the top 6 layers of
the reservoir model in the simulator. It shows that, as expected, the gas in place decreases
over time in L1, L2, and L4. However, the gas in place in L3 and L5 increased over time
indicating the movement of gas from adjacent layers into shale layers and the flow of gas
and water out of shale layers into adjacent layers leaving residual gas in L3 and L5. This
plot also shows that gas in place in L6 declines over time despite completions restrained
to L4 in the post-1970 period. Thus, gas from L6 is able to travel through L5 and into the

wells completed in L4 at vertical permeabilities set in the model for in Run 7.
4.8 RUN 8
Given the shortfall in simulator-calculated production in the wells Daniels (Dan),

Hampston, and Towner (Town), post-1970 fractures in these wells were extended to L6

(Towanda) using ff = 1.0. Using ff = 1.0 across fracture intervals means that the
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fracturing resulted in establishing communication with L5 and L6 layers but did not lead
to productivity gains beyond a normal completion (such as perforation) in these layers.
Also, many of the wells (stated in the section above) showed signs of excess gas in their
drainage and thus a permeability multiplier of 0.8 was used on ¢ initial permeability
distribution (as in Run 1) in L6 (Towanda) and L8 (Ft. Riley). The permeability
multiplier selected for L6 and L8 is based on the estimates made by comparing upscaled
whole-core data and that predicted using facies-specific permeability correlations (Figure
15). Figures 42 and 43 shows the production/pressure matches at individual wells. The
simulator-calculated production matched historic volumes at  impston and Towner.
Also, the match between the simulator-calculated FBHPs and the historic WHFPs
improved at these 2 wells. However, simulator-calculated production at Daniels still is
short of historic volumes though higher than that calculated in Run 7. Also, simulator-
calculated cumulative production fell short of historic volumes in Schmelzel (Schml),

Wilson (Wils), Muller (Mull), and Williams (Wilm).
49 RUNY

It is evident from Figure 4.1d that the permeability distribution around Blackmer 28
(Blk28) in L4 (Winfield) is significantly higher than prevalent values elsewhere. These
high per1 ability values cause the simulator-calculated gas production to match historic
production volumes from this well in Run 1 and other subse ient runs while the
simulator-calculated BHFPs remain greater than the WHFPs. Thus the permeability
distribution in the drainage area around Blk28 was multiplied by 0.06 to reduce it to the
same level as permeability at other wells in Winfield. Figure 44 shows that this localized
permeability adjustment resulted in a production history match and a reduction in the

calculated BHFPs bringing it closer, though still higher, to the historic WHFPs.

Well matches still show excess gas in many of the wells (Figures 42 and 43).
Figure 45A shows that the upscaled vertical permeability (Kz) values (at HobEU) in the
simulator mc :l for L5 and L7 s are an order higher or greater than those of L1, L3, and

L9. The initial estimates for Kxy in the fine-layer model were upscaled using Petrel’s®
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tensor upscaling routine and then facies-specific correlations related to - : horiz
permeability (Kxy) were used to estimate the Kz in each of the layers input to the
simulator. It is evident from various simulation runs that relatively high Kz allows
migration of gas from zones below the completed (fractured) layers into the well. Figure
45B shows that significant volumes (about 8 bcf) of gas were produced out of L8 (Ft.
Riley).

4.10 RUN 10

To reduce the availability of gas around most wells in the study area, the vertical
permeability in L7 (B/Towanda) was reduced by multiplying the original permeability
distribution by 0.1. Also, to increase production at Daniels (Dan) and Schmelzel (Schml)
wells, ff factor (post 1970) was increased to 4.0 at Dan while the hydraulic fracturing in
Schml was extended to L6 (post 1970) using ff = 1.0. Figures 46 and ' show the
resultant cumulative production and flowing pressure matches at individual wells. The
production and pressure matches are close to historic values at most wells. However,
wells such as EberF. EberU, Blackmer 25U, Blackmer 28, and Hoobler EU still show
excess flow capacity as their BHFPs are higher than historic WHFPs. Muller (Mull) and
Williams (Willm) are adjacent wells located at the southern border of the study area and
both appear to run out of producible gas. The simulator-calculated production rates at the
Mull well matches the post-1970 history though falling short during the pre-1970

production period.

4.11 RUN 11

In order to address excess production capacity in the above mentioned wells, adjustments
were made in ¢ effectiveness of hydraulic fracturing on production at select wells. At

lackmer 28 (Blk28), the matrix permeability in the drainage area was reduced by
multiplying the permeability distribution (in Run 9) by 0.67 in order to brit the
permeability values closer to its neighboring wells. Also, the ff was reduce to 3.0 ( 'm

6.0) in the post-1970 period for hydraulic fracturing at this well constrained already to L4
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(Winfield). For the wells Blackmer 25 (Blk25) and Blackmer 25U (Blk25U), the ff was
reduced to 1.0 in the post-1970 period. Also, ff values in the post 1970 period were
re 1ced to 2.0 at Ebersole, to 1.0 at Ebersole F and Ebersole U, and to 3.0 at Hoobler EU.
The results of individual well production and pressure matches are shown in Figures 48
and 49. Figure 50 summarizes the quality of matches obtained against production and
pressure histories at each well and also the presence or absence of production spikes
when well flowed free of rate constraints. Close production and pressure history matches
have been obtained at majority of the wells. However, most wells still show a production
spike when released of flow constraints. Simulator-calculated production fell short of
historic rates at two wells, namely Muller (Mull) and Williams (Willm), which are

located at the southern border of the study area.

Figure 51 shows the averay pore-volume weighted pressures at L1, L2, L4, L6,
and L8 over the production life of the field. The table enclosed in this figure compares
the simulator-calculated average pore-volume weighted reservoir pressure as of May
2006 with corresponding estimates of layer pressures from RFT tests carried out in and
around the study area. Figure 52 shows that despite no wells being completed in L8 (Ft.
Riley), about 6.4 bcf of gas has moved out of Ft. Riley to layers above and to we s
completed in L6 (Towanda) and L4 (Winfield). The volume of gas flowing across shale

layers is dictated by the vertical permeability assigned to the shale layers.

5.0 Conclusions

The intent of the simulation study was to evaluate robustness of a geomodel developed
using an automated facies recognition technique anchored to a limited number of node
wells in the study area, in this case only three in a 12-section area, an available facies-
specific petroj ysical data. The above mentioned geomodel served as the basis for this
reservoir simulation study. The goal for this study was to see how closely the simulator
could match the production and pressure histories of wells located in the geomodel with
minimum modifications to the geomodel. Most geomodel modifications were applie all

over the study area, such as using layer specific permeability  iltipliers. 1e only w«
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specific modifications made included varying productivity and reach of the hydraulic

fractures.

1.

Out of 16 wells, rod matches with production histories were obtained at 13
wells.

Close to good matches were obtained with flowing pressure histories at 12 out of
the 16 wells in the study area.

Small to high production spikes were visible at seven out of 12 producing wells.
Production spikes were not visible at the three wells where the simulator-
calculated production fell short of historic volumes.

The pore-volume weighted average layer pressures in 1 (Herrington), L2
(Krider), L4 (Winfield), L6 (Towanda), and L8 (Ft. Riley) matched closely with
corresponding estimated pressures from available RFT data.

It appears that the reservoir is more complex than the model input to the si ulator
because some of the wells show presence of excess flow capacity while others
remain short of gas. The complexity of the reservoir is further revealed by a closer
look at individual well performances such as Blackmer 28 (Blk28), where
simulator-calculated bottom-hole flowing pressures exceed historic surface
flowing pressures indicating excess flow capacity and yet the same well fails to
meet the historically recorded gas volumes after the year 2000. Also, the
simu or is unable to match production history at Muller (Vv 1) even in the pre-
1970 period. Thus, any field-wide increase in layer permeability or layer OGIP to
obtain production match will result in excess flow capacity at wells where
production history matches have already been achieved.

None of the wells have been completed in Ft. Riley (L.8) and yet 6.4 bcf of gas
flowed out of this layer to layers above and to the wells completed in Winfield
(L4) and Towanda (L6). Based on the layer-specific gas-in-] ice plots, it appears
that fluid movement is taking place across the shale layc  with vertical
permeability playing a critical role in determining the amount of fluid flow in

shale.
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