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Executive Summary

This project was initiated to evaluate the waterflood potential of the Morrow Sandstone
in the Minneola Unit, T30S-R25W, Clark County, Kansas. The evaluation comprised the
following tasks:

a)

b)

d)

g)

Subsurface geology was mapped to identify flow units and develop a 3-D reservoir
model.

Field production/injection data were analyzed and a production/injection history
compiled for a majority of wells. Due to commingled production data, individual well
production history could not be created for 3 pairs of wells. Available DST data were
analyzed to calculate the initial reservoir pressure.

Core analysis was performed on core from Patton #1-3 and Statton #2-12 to obtain
reservoir properties including porosity, permeability, “irreducible” water saturation,
capillary pressure relations, and wireline-log Archie cementation exponent. Data from
previous Morrow Sandstone studies were utilized for compressibility and relative
permeability relations.

Available well logs were analyzed using the Super-Pickett technique to quantify
porosity and water saturation (Sy) for flow-units.

Lacking complete relative permeability data, effective permeabilities at end-point
saturations were integrated with data from a rock catalog to develop relative
permeability and capillary pressure curves for a suite of porosity-permeability pairs.
Based on the above data, an input file was generated to create a 3D-reservoir model in
a PC-based reservoir simulator. Simulation studies were carried out to history match
individual well production and map residual oil reserves in Minneola field, as of
October 2000.

Based on the remaining reserve map, various reservoir management plans for tertiary
recovery were simulated to predict their production performance.

The following summarize the interpretation of the results of the reservoir simulation
studies.

l.

Of the 3 sandstone flow units in the Minneola field, simulator-predicted residual oil
reserves in layers #1 and #3 are low and only layer #2 exhibits good remaining oil
saturations.

Average reservoir pressure is depleted due to prolonged primary production without
pressure support.

Various field management strategies were simulated to predict oil recovery from
three designated areas A, B, and C:

Area A — Using Fager #2-3 as an injector to sweep toward the Patton #2-3 proved to
be ineffective due to the presence of a permeability barrier between the two wells.
This permeability barrier was necessitated to history match production in the
surrounding wells during simulation studies.



Area B — Using the Tedford #B1-10 as an injector to sweep the residual oil into the
Tedford #4-10, is constrained by the low permeability of the Tedford #B1-10
drainage area. Simulation of the production performance of a new infill well,
AreaBWell, indicates that a cumulative oil recovery of 10,000 bbls (produced at a
BHP = 14.7 psi) can be attained after 2 years.

Area C — Low average reservoir pressure severely limits the potential for gas
recovery in this area. An infill well, AreaCWell, is predicted to require more than 2
years to recover 10MMscf of gas when produced at a BHP of 14.7 psi.

4. Simulation studies show that oil production will be « ' ced in the remaining few
producing wells, within the unitized area, if water injection is stopped in the Patton #1-3
and Goeller #1-4 wells. It is interpreted that the present injected water is reducing the
relative permeability of the remaining oil. Current injection volumes are insufficient to
fill-up the reservoir and thereby initiate an effective sweep.












from 12% to 24%. Previous analysis of Morrow cores (Byrnes 2001) has shown that pore
volume compressibility at reservoir condition averages 6+2* 10° psi' for Morrow
sandstone for average porosity around 16+4%.

Permeability

In situ versus Routine — Permeability in the reservoir differs from routine air
permeability values measured by conventional core analysis due to both confining stress
effects and gas slippage, that is, Klinkenberg effects. Utilizing a generalized correlation
for Klinkenberg correction and the air permeabilities measured under in situ confining
stress, routine air permeability values (Krouine) Were converted to in sifu Klinkenberg or
liquid-equivalent values (k;,s,,) using the correlation:

logl()kinsitu =1.054 logl()kroutine —0.204

Full-diameter versus Plug - Full-diameter and corresponding plug permeabilities are
similar (Figure B2) indicating that at this scale matrix properties dominate fluid flow, and
that shale bedding architecture, cross-bedding, and fractures do not exert a significant
influence.

Permeability and Porosity

To predict permeability distribution, within the sand bodies in the study area, a
relationship between measured permeabilities and porosity and argillaceousness
(shalyness) was developed. The general relationship between permeability and porosity
for the Minneola Unit Morrow is similar to the relationship exhibited by other Morrow
sandstones (Figure B3). In siru Klinkenberg permeability is cross-plotted against in situ
porosity by well for the Minneola Unit in Figure B4. Because details of lithofacies are not
available for many wells in the field a simpler predictive relationship for permeability was
developed. A measure for shalyness was obtained from estimation of the shalyness of each
core sample using a shalyness index ranging from 0-4. To tie observed shalyness to logs the
wireline-log gamma ray for each depth corresponding to each sample interval was recorded
and correlated with the measured shalyness index. The high degree of correlation indicated
that that a gamma-ray index (GRI), representing the Gamma-Ray API values from logs,
were representative of the shalyness of the core samples and could therefore be used to
replace the shalyness index in permeability prediction. Permeability increases with both
increasing porosity and decreasing shalyness. Also evident is that the cleaner sandstones do
not exhibit the highest porosity values. This may be due to greater quartz cementation or
better sorting and packing. For prediction of reservoir permeability three class of shalyness
were defined; GRI<30 API units, 30<GRI<39 API units, and GRI > 40 API units. For each
sand interval at a well, the average GRI over the flow unit interval was calculated from the
wireline log. The interval was assigned to one of the three classes based on the average
interval GRI and the respective permeability was calculated using the appropriate equation
for that class as determined by linear regression analysis for each class (Figures 9 and BS).






microporosity with quartz or carbonate cementation. "lrreducible”" saturation can be
predicted using the following equations:

Shaly —Very Shaly: S, =-28.89 log)o Kipgin + 78.6
Clean-Slightly Shaly: S, =-14.55 log;o Knsin, + 46.8

The standard error of prediction for these equations is 5+1%. It is important to note that the
higher “irreducible” saturations of the lower porosity and permeability sandstone samples
diminishes their relative contribution to the total storage and flow capacity of the reservoir
compared to the higher porosity and permeability samples.

The predicted irreducible water saturations are consistent (Figure B11) with water
saturations measured in the reservoir from wireline logs as discussed in the Pickett Plot
Analysis section.

Generalized Capillary Pressure Curves — To provide capillary pressure curves for the
reservoir simulation it was necessary to develop generalized curves that represent specific
permeabilities, such as the permeability value attributed to a sand body in a well.
Equations of generalized capillary pressure curves were constructed based on the
relationships evident from the entry pressures in the air-mercury capillary pressure curves
and the capillary pressure curve shapes, and from the saturations evident in the air-brine
capillary pressure analysis. The relationships between increasing entry pressure,
“irreducible” wetting phase saturation, and the capillary-curve curvature (reflecting
increasing pore throat size heterogeneity) with decreasing permeability were utilized to
develop equations that would predict the capillary pressure curve using permeability as
the independent variable.

Entry pressure, or the first pressure at which wetting phase desaturation begins, exhibits a
strong correlation with permeability and can be predicted using:

Pcoweniry = 1.311 logioki + 3.364
where Pcowenyry is the oil-water entry pressure and ki is the insitu permeability.

To model the changing capillary curve shape with decreasing permeability, an empirical
function was developed to predicted curve shape and “irreducible” saturation from ki:

Pcow = PcoWenyry + exp(Pca + Pch Swz)

where:

Sw = water saturation (%)

Pca = 1.363 log)oki + 9.64

Pcb = -0.29%log oki® + 0.85 logioki* — 0.644 log)oki — 0.52



where Pca and Pcb are empirical terms calculated for use in the capillary pressure curve
equation. Using the above equations, capillary pressure curves were constructed for a
given permeability.

Archie Cementation Exponent - Water saturations were derived from wireline logs using
the standard Archie equation for water saturation calculations. Previous analysis of
Morrow sandstones has shown that the Archie cementation exponent, m, and intercept, a,
differ from the conventional values of 2 and 1, respectively, for different lithofacies. To
evaluate the correct values for the Archie cementation exponent and intercept, these
parameters were measured on many of the core plugs obtained. Values measured are

summarized in Table B1 and the formation resistivity factor versus porosity cross-plot is
shown in Figure B12.

Figure B12 shows that the Archie cementation exponent averages m = 1.78+0.09 with a
=1. Linear regression analysis of the trend indicates that m = 1.74 for a = 1.08.

Relative Permeability

Previous study of Morrow cores provided oil-water (imbibition) relative permeability
curves for six cores from the Stewart field, which are summarized in Table B7 and Figure
B13. These cores exhibit Swi versus ki trends that are similar to those obtained from
Morrow core plugs from the Minneola field. Effective water permeabilities at residual oil
saturation Kew sorw range from 0.06 to 0.325 and averages close to 0.19.

To model the relative permeability curves the following Corey-type equations were used:
kro = o 5] (1- wp)m

krw = a Swpn

Swp = (Sw-Swi)/(1-Sor-Swi)

Where Sw = water saturation fraction, Swi = “irreducible” water saturation fraction, Sor
= residual oil saturation to waterflood, o; = effective permeability to oil at Swi, as = the
effective permeability to water at residual oil saturation, m = oil relative permeability
exponent, n = water relative permeability exponent (these last two variables are not
related to the Archie cementation and saturation exponents m and n).

For the Stewart field Morrow, relative permeability exponents appear to exhibit trends
that change with absolute permeability but cannot be defined with confidence. Based on
the distribution of these values, median values were adopted. The above generalized
Corey-type equations were used to develop oil-water and gas-oil relative permeability
curves for rocks with differing permeability. For each permeability value, the Swi input
into the relative permeability equation was predicted using the synthetic capillary
pressure curve equations described above. Initial values for m, n, and Sorw were 2.8, 3.1,
and 37% respectively. Available data indicates that Morrow Sorw averages 37% and is
not correlated with permeability. Based on this analysis, Sorw was assumed to be a
constant 37% for all permeabilities. Calculated relative permeability and capillary
pressure curves for rocks with 3 md, 10 md, 30 md, 100 md, and 300 md are shown in









Reservoir Simulation

The CMG simulator, a PC-based reservoir simulator, was used to simulate the Minneola
field. The model comprised 3-layers using 74 by 32 grid cells in each layer. Each grid
cell was sized 250 ft by 250 ft. Thickness of each gridcell was uniquely assigned based
on the isopach maps of each sandstone unit (Figures 5 to 7).

Values of the major reservoir parameters that were part of the simulation-input file are
summarized in Table D1. During the primary production phase, there is no record of
water production from any of the wells in Minneola field. It was therefore assumed that
the water saturation calculated from wireline logs was near “irreducible” water saturation
(Swi), 1.e., relative permeability to water (k) = 0. During the initialization process, the
simulator calculated the reservoir pressure distribution using the hydrostatic equation and
the water saturation (Sy) distribution in each layer was generated from the capillary
pressure curves. For each sandstone unit, a capillary pressure curve was assigned to
represent the drainage area of the well such that the Sy from the capillary curve
corresponded with the S, derived from the wireline log. The simulator was set to a grid-
center basis such that the block saturation was read from the saturation that exists at the
center of the grid cell.

For wells that were drilled before 1984 and produced both oil and gas, gas production
data were not available during the initial months — ranging between 9 to 28 months
(Table D2). A gas-gathering network was laid in place in the Minneola field during 1984,
and therefore any previous gas production was perhaps flared and not metered. Without
recorded gas production, the gas production history for the initial months was estimated
by multiplying the first known GOR with the oil production. No data were available to
obtain/calculate either the bubble point pressure (Pp) or the solution GOR for the
Minneola Unit. During the course of the simulation studies, it was found that the
reservoir pressure decline could be modeled when the reservoir was assumed to have an
existing gas cap at the onset of production, i.e., setting the bubble point pressure (Py) at
2000 psi while the initial reservoir pressure (P;, from DST studies) was input as 1880 psi.
Using standard correlations and assuming the above P, and Pj, the solution GOR was
approximated at 650 sct/STB.

Horizontal permeability was assumed to be isotropic. Measured core data indicate
vertical permeability averages 10% of the horizontal permeability where shale laminae
exist. In the simulation model, vertical permeability in each grid cell was initially
estimated as 10% of the horizontal permeability.

The reservoir simulation study was divided into 2 phases. In the 1% phase, a history match
was carried out on the primary production of each well. This process recreated the initial
saturation distribution of oil and gas within the productive sandstone units of the
reservoir. During the 2" phase, both the primary and secondary production were history
matched, and this process helped to delineate the permeability variation, both laterally
and vertically, within the reservoir sandstone units especially within the unitized area —
under water injection.
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Interpretation of wireline logs resulted only in the estimation of the initial S,,. Initial
distributions of the oil and gas saturations were obtained through the process of history
matching the cumulative oil and gas production during the primary phase of the field.
Though a regular record of the reservoir pressure during its primary production phase
was not available, an engineering study conducted before the onset of the waterflood
noted that the reservoir pressure had declined to about 100 psi. Adjustments made to the
initial oil and gas saturations, within the drainage areas c. :he wells in the study area,
resulted in improving the match between the estimated oil and gas production and the
simulation output. It also resulted in simulation prediction of a rapid decline in reservoir
pressure.

The results of the history matches of the production performance at each well are
presented in Appendix D. For history matching, oil production rate, at each well, was
included in the input file. The simulator was set to produce the given oil rate, known from
the production history, and in the process, calculate the associated gas and water
production without letting the bottom hole pressure drop below 14.7 psi. Figures D1 to
D19 are the best matches between the known/estimated historic production and that
obtained from simulation. As a result of the simulation studies, a map showing the
residual oil reserves in the field, as of October 2000, was generated. Based on this map,
different infill recovery plans were simulated to predict their performance - in terms of
incremental recovery.

The 2™ phase of the simulation studies extended the history matches obtained in the 1%
phase. During this phase, effort was made to: 1) match the water breakthrough at the
producing wells within the unitized area under the waterflood, and 2) to match the
cumulative water production at these wells. Adjustment of the horizontal and the vertical
permeability distributions within the drainage areas of the individual wells play a critical
role in improving the matches with water breakthrough and production. Current fluid
level data were available for most of the wells within the unitized area. The bottom hole
pressure, as of late 2000, calculated by the simulator at wells within the unitized area is
compared with the closest recorded fluid level data in the Figures D1 to D19. The
complexity in the permeability distribution within the producing sandstone units is
evidenced from the approximate matches achievable for water breakthrough and
production in some of the wells.

At stated previously, gas production data were not available for many of the wells during
the initial months of production. Produced GOR in solution-gas driven reservoirs is not
constant. To reconstruct the gas production history, a constant GOR, equal to the first
recorded GOR at the well, was multiplied with the recorded/estimated oil production.
While comparing simulator predicted gas production with the estimated gas production at
the well level, the existence of significant uncertainty in gas production values needs to
be kept in mind.

Upon completing the history match for individual production of all productive wells, the

residual oil and gas saturations, as predicted from the simulation output, were mapped
across the study area. Figures D20 to D22 show the distribution of simulator-predicted
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remaining oil saturation-feet (Sorw-ft) in each of the three sandstone units in the
Minneola Unit for October, 2000. Figures D23 to 25 show the residual gas saturation-feet
(Sgrw-ft) in the three layers for October, 2000. It is apparent that in sandstone units #1
and #3 there are very little recoverable reserves remaining. Figure D21 shows the three
localized areas, marked by circles A, B, and C. Region C in Figure D24 also has high
residual gas saturations.

Several drilling plans were simulated to predict recovery performance for different infill
well locations to exploit pockets of remaining reserves. The results of the various
simulations are presented by area.

Area A — This area was identified as one of the candidate areas for incremental recovery.

Analysis Limitations — As noted earlier, the production data from Patton #2-3 and #1-3
were commingled and there were no production test data available to allocate the
commingled production between these wells. Also, the shut-in date of Patton #1-3 was
not available. Based on the available information from the field, it was assumed that all
the commingled production came from Patton #2-3 because the Patton #1-3 did not
produce for a long time. History matching of Patton #2-3 was therefore made on this
assumption. No wireline-log data were available over the perforated interval in Fager #2-
3. Initial petrophysical properties attributed to the drainage area of this well were based
on properties from neighboring wells. Due to lack of the gas production data for the 1™ 21

months, an estimated cumulative gas production (Figure D6) has been attributed to Fager
#2-3.

Performance Prediction - Fager #2-3 is one of the few wells in the study area with no
reported water production to date. For the simulator model to match the production
performance of this well, a zone of low permeability (10 md, Figure D26) was introduced
between Fager #2-3 and Patton #2-3 (named as ComPat in the simulator model). It is
evident from Figure D31 that the injector Patton #1-3 (IPat) is structurally lower than
both Fager #1-3 and Patton #2-3 (ComPat). Currently Patton #2-3 is closed. The
effectiveness of using Fager #2-3, one of the best producers in the field, as an injector
(thus injecting water high on the structure) to recover the remaining oil in region A at
Patton #2-3 (called as PatPrd) was simulated.

Figure D27 displays the fluid production at PatPrd when water is injected in the Fager
#2-3 beginning in November, 2000, with injection constrained to a maximum BHP of
3000 psi, and resulting daily injection rate around 550 bbl/day. The model also includes
the effects of continual water injection in Patton #1-3. The production profiles are
compared with those obtained at PatPrd when water is injected only in the Fager #2-3.
When water is injected in the Fager #2-3 and Patton #1-3, cumulative oil recovered at
PatPrd is 3,015 bbl (end of 2003) and 6,120 bbl (June, 2005) with cumulative produced
water of 295,927 bbl (end of 2003) and 737,901 bbl (June, 2005). When water is injected
only into the Fager #2-3, cumulative oil recovered at PatPrd is 1,124 bbl (end of 2003)
and 3,196 bbl (June, 2005) with cumulative produced water of 198,885 bbl (end of 2003)
and 488,212 bbl (June, 2005). The results suggest that the region of low permeability
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5. “NoWitrlnj” profiles show the estimated production when no water is injected in
the field.

It is apparent from Figure D29 that oil production is maximized and water production is
minimized when water injection is stopped in the unitized area. Low permeability within
the drainage area of the Tedford #B1-10 severely restricts water injectivity and thereby
limits the effectiveness of using this well as an injector.

The effects of stopping water injection, in the unitized area, on the oil production from
the few producing wells are summarized in Figure D30. In the simulations abbreviations
for the Tedford #4-10, Harris #1-3, Hir * n #1-3, and Norton #1-4 are the NewTed,
NewHaris, NewHind, and NewNrtn, respectively. In each of these wells, oil production
increases when the water injection is stopped in the Patton #1-3 and the Goeller #1-4
wells. Increased oil production may be attributed to enhanced oil relative permeability
due to decreased water production.

Simulation studies were also carried out to predict the performance of an infill well in
Arca B. In Figure D31, the location of a postulated infill well, AreaBWell, is shown with
a red circle. Figure D32 shows oil, gas and water production from this infill well for
production conditions where BHP is 14.7 psi and where water injection continues in the
Patton #1-3 and Goeller #1-4 wells.

Area C — Residual reserve maps, Figures D21 and D24, show that the oil and gas
saturation-feet in this area is higher than other areas in the eastern part of the Minneola
field. Thus, the incremental production potential of this area was simulated.

Analysis Limitations — Figure D33 shows the distribution of reservoir pressure for
October, 2000. This map indicates that the reservoir pressure in the vicinity of Area C has
declined to less than 100 psi. Bottom hole pressures in the Schlicting #1-2, Rooney #1,
and CStonM (located at Statton #2-12) are 85, 61, and 50 psi. respectively. This low
reservoir pressure severely limits the potential for incremental gas recovery from Area C.
As noted, only commingled production data were available for the Statton #2-12 and
Statton #2-12 and no production test data are available to allocate the lease production
between the wells. For history matching, all the commingled production from the Statton
lease was allocated to a hypothetical well, CStonM, located adjacent to the Statton #2-12,
which produced from all three sandstone units. Another source of uncertainty to the gas
saturation in Area C is the lack of gas production data during the first 5 months of
production from Rooney #1.

Performance Prediction — A simulation was conducted to predict production from an
infill well, AreaCWell (location circled in red in Figure D31). Figure D34 shows
predicted oil and gas production from this infill well when it is produced at a BHP = 14.7

psi.
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Conclusions
The following summarize interpretation of the results of the various simulations.

1. Of the 3 sandstone flow units in the Minneola field, simulator-predicted residual oil

reserves in layers #1 and #3 are low and only layer #2 exhibits good remaining oil
saturations.

2. Average reservoilr pressure is depleted due to prolonged primary production without
pressure support.

3. Various field management strategies were simulated to predict oil recovery from three
designated areas A, B, and C:

Area A — Using Fager #2-3 as an injector to sweep toward the Patton #2-3 proved to
be ineffective due to the presence of a permeability barrier between the two wells.
(The inclusion of this permeability barrier was necessitated during history matching
of production and pressure data at the surrounding wells.)

Area B — Using the Tedford #B1-10 as an injector to sweep the residual oil into the
Tedford #4-10, is constrained by the low permeability in the drainage area of the
Tedford #B1-10. Simulation of the production performance of a new infill well,
AreaBWell, indicates that more than 2 years will be required for a cumulative oil
recovery of 10,000 bbls (at a producing BHP = 14.7 psi).

Area C — Low average reservoir pressure severely limits the potential for gas
recovery. An infill well, AreaCWell, is predicted to require more than 2 years to
recover 10MMscf of gas when produced at BHP of 14.7 psi.

4. Simulation studies show that oil production will be enhanced in the remaining few
producing wells, within the unitized area, if water injection is stopped in the Patton #1-3
and Goeller #1-4 wells. It is interpreted that the present injected water is reducing the
relative permeability of the remaining oil. Also, the current injection volumes are
insufficient to fill-up the reservoir and thereby initiate an effective sweep.
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APPENDIX B







Air-Mercury Capillary Pressure Analysis - Subsequent to other advanced properties
measurements selected core plugs, respresenting the range of lithofacies and
porosity/permeability were vacuum pressure saturated with methyl alcohol and flow through
cleaned to remove any salt. The samples were dried and the helium porosity redetermined as
described above. Each sample was transferred to the capillary pressure instrument and
evacuated to a pressure of less than 0.01 torr for a period of 15 minutes. ...e sample was
subjected to increasing mercury injection pressures ranging from 2 to 10,000 psia. At each
pressure, equilibrium was assumed to have been established when the volume of mercury
injected was less than 0.1% of the pore volume for a two-minute period. Injected mercury
volumes were corrected for system and mercury compressibility effects. Results are
presented in tables and figures for each sample. Accuracy and precision vary with sample
pore volume and outer pore sizes and surface roughness. Pump injection volumes are
readable to 0.001cc. Based upon pore volumes of 1 to 2cc, estimated precision for the
measurement is 1% for pore sizes less than 107um.









































































































Figure C8

Hall #1-2 (15-025-20785)
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